Port 2

Generation Re-dispatch Costs

Re-dispatch generation costs are defined as additional costs that are incurred due to the
unpredictability of events that occur during a typical power system operational day. Historically,
these types of events were driven by load variations due to actual weather that differs from what
was forecasted for the period in question. Most power system operators assess the generation
needs for a future period, typically the next day, based on load forecasts and commit a series of
generators to be available for operation in that period. These committed generators are expected
to operate in an hour-to-hour sequence that minimizes total cost. Once within that period, however,
actual load may vary from what was planned and the committed generators may operate in a less
than optimal hour-to-hour sequence. The resulting additional costs due to real time variability are
known as re-dispatch costs.

As more intermittent generation — like solar or wind — is added to the grid, additional uncertainty
about re-dispatch costs is added due to factors such as unpredictable cloud cover or changes in
wind speed. In order to assess the resulting re-dispatch costs, the Company performed a simulation
analysis to determine the cost impact on generation operations at varying levels of solar, onshore
wind and offshore wind penetration. To study the effects of these intermittent resources, the
Company studied historic wind speed and solar irradiance data from the NREL.

To perform its generation re-dispatch costs analysis, the Company utilized the Aurora planning
model with a regional simulation topology consisting of PJM Interconnection, VACAR South,
Southern Company, Tennessee Valley Authority, and large sections of Midwest ISO (see map
below). The results from the Aurora model captured not only the DOM Zone hourly prices
interactively, but also the potential system cost impacts from intermittent resources outside the
Company’s service territory.

Figure 4.6.3.2— Aurora Model Topology

For each simulation year, the Company performed a base case Aurora simulation by using the base
hourly renewable generation profiles to establish the base case commitment decisions. Using these
commitment decisions, the Company performed an additional 200 simulations but applying
different hourly renewable profiles from the NREL historical weather patterns studies to re-
optimize the system cost.
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The total system cost for each simulation was compared to the base case system cost of the same
year. This delta of the system cost is composed of the respective differences in fuel cost, variable
operations and maintenance (“O&M?”) cost, emission cost, and purchase and sale costs. The re-
dispatch cost is the delta of the system cost divided by the Company’s expected total renewable
generation.

Figure 4.6.3.3 — Re-Dispatch Cost Results

$20.00 20
*  Notes:

$18.00 18
Markers are 50th percentile for modeled years

$1000 Bars are ranges between the 25th and 75th percentiles for the 16
2023 updute for modeled years

a

$1a.00 The 2023 Update Trend reflects Interpolated values between 14
model years, factoring in the 2038 Transmission Upgrade and :

$1200 Transco Zone S price projections {used after 2043) 0 ................ 12

."o
$10.00 10
$8.00 . o.-" 8

-3

H $5.00 . .....'.- R - S R .,-' 6 '
.'-....' o o... _...o....
$a.00 =
- u

$2.00 ‘ OHB

$0.00 0
2024 2025 2026 2027 2028 2026 2030 2031 2032 2033 2034 2035 2036 2037 2039 2039 2040 2041 2042 2043 2044 2045 2046 2047 2040

~

© 2023 Update O 2021 Update - 2023 Update Trend O 2022 iRP Update

Regulating Reserve Costs

Regulating reserves are defined as additional reserves needed to balance the uncertainty of forecast
errors in net load that occur during a typical power system operational day. These reserves exclude
contingency reserves, which are defined as the loss of a major power system generation or
transmission system asset. Within the PJM market, these regulating reserves are an ancillary
service, the cost of which is charged to customers. Revenues collected for this ancillary service
are paid to resources available to supply or reduce energy to correct forecast errors. Unlike
contingency reserves, regulating reserves are needed to either increase or decrease generation in
any given operational hour. These reserves also differ from re-dispatch costs; they are paid to the
resource whether they are used or not during the operating hour. The regulating reserve costs
ensure that the transmission system has adequate resources available to handle forecast
uncertainty. The system pays for regulating reserves so that it has the capability to quickly re-
dispatch. In contrast, the operating costs to dispatch these regulating resources (to mitigate
forecast errors and stabilize the transmission system) are part of re-dispatch costs.

Historically, the level of regulating reserves was primarily driven by the uncertainty associated
with load during any given operating day. The intermittent nature of solar and wind generation
adds to this uncertainty. Accordingly, the levels of regulating reserves will need to increase to
compensate for this added uncertainty.
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A variety of resources can be used to address system uncertainty: energy storage, unscheduled CT
capacity, unscheduled duct bumer capacity (on scheduled combined-cycle units), intraday
purchases and sales, and interruptible load.

In order to assess the increase of regulating reserves that will result from increasing volumes of
solar generation, the Company utilized the Electric Power Research Institute Dynamic Assessment
and Determination of Operating Reserves tool. This tool calculates operating reserves based on
correlations to other variables (e.g., forecasted generation, time of day) and can be used to evaluate
solar, wind, and load variations separately and in combination. The reserves volume required is
then reduced by the expected geographic diversity of the resources and technological diversity of
these resources (wind vs. solar).

Once the MW volume of solar and wind was determined as described above, the next phase of the
analysis was to determine a market price for these reserves. This was based on a historical analysis
of PJM day-ahead secondary reserves and is capped by the cost of new entry of a new combustion
turbine resource. The results of this analysis reflect the hourly cost of regulating reserves gradually
increases from $0.67/MWHh in 2024 to $14.29/MWh in 2048, This occurs because the rate that
PJM is forecasted to increase the need for regulating reserves (driven by the level of renewables
build) grows more quickly within PJM than the projected addition of resources that provide
regulation reserves in PJM. The forecasts of resource additions are based on ICF projections in
states other than Virginia. Virginia resource additions are based on the projections in this 2023
Plan for the Company; for Appalachian Power Company and other sellers of electric power in
Virginia, the projections assume solar and wind resource additions according to the RPS
requirements for Appalachian Power Company.

From the Company’s perspective, regulating reserve costs will be incurred when the regulating
costs to serve the Company’s load exceed the revenue received from PJM for the Company units
that supply this ancillary service.
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Figure 4.6.3.4 — Net Regulating Reserves Cost of Market Purchases (§M

Year Plan A Plan B Plan C Plan D Plan E
2024 $0 $0 30 $0 $0
2025 50 $0 30 $0 $0
2026 $0 SO S0 $0 $0
2027 $0 $0 $0 $0 $0
2028 $4 S0 SO $0 $0
2029 $24 $0 $13 $0 $0
2030 $51 $0 $39 $0 $0
2031 $78 $0 $0 $0 $0
2032 $97 $0 $0 $0 $0
2033 $103 $110 $125 $110 $122
2034 $266 $126 $156 $126 $133
2035 $278 $101 $185 $138 $140
2036 $292 $72 $215 $149 $150
2037 $192 $46 $213 $163 $182
2038 $164 $1S $208 $174 $194
2039 $133 $22 $242 $161 $167
2040 $105 $33 $282 $137 $143
2041 $70 $39 $316 $196 $201
2042 $33 $44 $351 $168 $170
2043 30 354 $392 5210 $212
2044 50 $60 $431 $178 $180
2045 $0 $65 $469 $230 $202
2046 S0 $76 $514 $251 $220
2047 $0 $82 $556 $265 $233
2048 30 $90 $598 $269 $245

4.8 Storage-Related Assumptions

All storage developed in this 2023 Plan is assumed to be four-hour, lithium-ion batteries, though
the Company is pursuing a long duration storage pilot as well. For the planning period, all plans
were limited to 300 MW per year. In order to reach net zero, Alternative Plans D and E allowed
900 MW per year after 2038. In Alternative Plans B and D, the Company set constraints requiring
the PLEXOS model to select 2,700 MW of energy storage by 2035, consistent with the VCEA.
Third-party owned energy storage will make up 35% of the 2,700 MW. The Company plans to
meet interim VCEA targets, but storage development will be more heavily weighted to the later
part of the planning period, when more renewable penetration increases the value of battery storage
and additional technology options are commercially available.

4.9 Gas Transportation Cost Assumptions
Natural gas is largely delivered on a just-in-time basis. Vulnerabilities in natural gas supply and
transportation must be sufficiently evaluated from a planning and reliability perspective.
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Mitigating strategies such as storage, peaking services, on-site fuel capability, firm natural gas
supply purchases, firm pipeline transportation capacity, alternate pipelines, dual-fuel capability,
access to multiple natural gas supply basins, and overall fuel diversity all help to alleviate this risk.

There are two main types of pipeline transportation service contracts: firm and interruptible.
Natural gas delivered using a firm pipeline transportation service contract is available to the
customer during the contract term and is not subject to a prior transportation service claim from
another customer. The Company regularly uses both primary and secondary receipt and delivery
flexibility inherent in its pipeline firm transportation contracts to reliably deliver fuel to its gas-
fired generation fleet. While a pipeline force majeure event can interrupt primary, firm
transportation service, pipeline constraints, and restrictions can limit some or all secondary receipt
/ delivery flexibility, beyond primary firm contractual rights. Additionally, for firm natural gas
supply to be delivered reliably, sufficient supply must be scheduled in accordance with FERC-
approved pipeline nomination cycles, flow rules, and then- effective pipeline constraints and
restrictions.

For a firm pipeline transportation and/or storage service contract, the customer pays a monthly
capacily reservation charge thal recovers its share of FERC-approved pipeline fixed costs
supporting the firm service. Interruptible pipeline transportation service contracts provide
transportation subject to the contractual rights of firm customers and other pipeline constraints and
restrictions. The Company predominantly uses firm pipeline transportation and firm storage
services to fuel its natural gas-fired generation fleet but can also use interruptible pipeline
transportation service depending on availability and PJM-directed need for gas-fired generation.

The Company included natural gas pipeline transportation and storage costs in its modeling. The
Company predominantly uses firm pipeline transportation and storage to fuel its combined-cycle
facilities. Additionally, the Company can utilize a firm pipeline transportation service not
otherwise needed for its combined-cycle facilities, to fuel its CTs. When available, the Company
can utilize interruptible pipeline transportation service for CTs because these peaking resources
typically operate with less than 20% capacity factors and are typically equipped with on-site
backup fuel. When setting capacity factor limits for new incremental CT units, the Company
assumed gas availability in the spring, summer, and fall, with oil only operations in the winter
when gas is most constrained.

The Company continually evaluates its generation fueling portfolio (including firm and
interruptible natural gas pipeline transportation services) with fuel deliverability, flexibility, and
affordability in mind. Specifically for natural gas, given the physical location of the Company’s
gas-fired generation fleet is in a fully subscribed pipeline corridor, pipeline constraints and
associated restrictions to secondary flexibility rights are commonplace. Therefore, in the interest
of generation fuel reliability, the Company requests and reviews proposals (covering various
terms) for incremental firm transportation, pipeline storage, peaking services, and onsite fueling
(oil or LNG). For example, given the current construction and regulatory uncertainties associated
with new natural gas pipeline builds, natural gas peaking services or on-site LNG can be effective
options to place specified amounts of natural gas fuel at specified locations for peak periods.
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410 Social Cost of Carbon

The social cost of carbon is an estimate in dollars of the economic damages that result from
emitting one ton of carbon into the air. For the past two years, the Company has incorporated a
social cost of carbon dispatch adder in its modeling assumptions; however, given the higher federal
carbon forecast assumptions received in the ICF forecast this year, the carbon adder seemed
duplicative. The Company continues to believe that some federal economic incentive will be
required for the country to reduce emissions and will revisit this assumption in future modeling,
The Company will also continue to consider the social cost or benefit of carbon in future CPCNs
as required.

4.11 Least-Cost Plan Assumptions

Alternative Plan A presents a least-cost plan using assumptions required by the SCC. Specifically,
Plan A uses the 2023 PJM Load Forecast adjusted for only existing and proposed energy
efficiency, consistent with prior SCC orders. It meets only applicable carbon regulations and the
mandatory RPS Program requirements of the VCEA; see Section 44, Commodity Price
Assumptions and Section 5.2.3, Environmentel Regulations, for the Company’s assumptions
regarding “applicable carbon regulations.” For Plan A, the Company did not force the model to
select any specific resources and did not exclude any reasonable resource options. Consistent with
this directive from prior orders, the Company did not exclude carbon-emitting resources as an
option to reliably meet customers’ energy and capacity needs. The Company also included
reasonable build constraints in Plan A, including the 900 MW annual solar imit. The potential
unit retirements shown in Plan A are those selected by PLEXOS without regard for other factors
that the Company considers when evaluating unit retirements, as discussed further in Section 5.2.1,
Retirements.

412 PLEXOS Modeling Refinements
The Company has included several refinements to PLEXOS since the 2020 Plan to incorporate the
many requirements of the VCEA, including:

¢ A dynamic RPS Program requirement based on forecasted customer sales;

e The ability to purchase RECs from eligible market sources to satisfy a portion of the
Company’s RPS Program requirements;

e An adjustment to the REC requirement to account for ARB customers, maintaining 2022
ARB certification percentages;

o Deficiency payment logic that allows the model to choose a deficiency payment for RPS
Program compliance, as established by the VCEA, if economically advantageous for
customers compared to other options;

Adjustments for excess RECs that can be sold to reduce customer cost;

o Included the options to purchase RECs from a Virginia REC market based on initial
forecasted price assumptions received from ICF;

e Optimized generating unit retirement logic for least~cost modeling;

e Included a declining cost curve for solar and storage unit capital costs consistent with the
NREL annual technology baseline assumptions for the moderate scenario, as discussed in
Section 1.6, Commodity Price and Cost Assumptions;

e Modeled distributed solar and all energy storage as combination units that reflect the costs
of 65% Company-owned resources to 35% PPAs;
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~ e Re-optimized the model for the cost sensitivities presented in Figure 2.6.3, rather than
locking down the base case build plan; and
e Modeled named solar units at the lower of the design capacity factor or the three-year
average of the Company’s existing solar facilities in Virginia.

The Company will continue to refine its modeling as additional functionality becomes available in
PLEXOS. The Company notes that REC banking remains unavailable in PLEXOS at this time.
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Chapter §: Generation — Supply-Side Resources

This chapter provides an overview of the Company’s existing supply-side generation, the
generation resources under construction or development, and the Company’s analysis of future
supply-side generation. This chapter also provides a discussion of challenges related to the
development of significant volumes of solar resources.

5.1  Existing Supply-Side Generation

3.1.1 System Fleet
Figure 5.1.1.1 shows the Company’s 2022 capacity resource mix by unit type.

ure 5.1.1.1 — 2022 Capacity Resource Mix by Unit Type
Net Summer Capacity

Fi

Percentage (%)

Generation Resource Type (MW)

Coal A 3,680 17.9%
Nuclear 3,348 16.2%
Natural Gas 8,392 40.7%
Pumped Storage 1,808 8.8%
Qil 1,373 6.7%
Renewable 903 4.4%
PPA-Other 179 0.9%
PPA- Hydro 5 0.0%
PPA- Solar 921 4.5%

PPA- Contracted 5.4%
Company Owned 94.6%

Company Owned and PPA Contracted 100.0%
Purchases 0.0%
Total 100.0%

Due to differences in operating and fuel costs of various types of units and in PJM system
conditions, the Company’s energy mix is not equivalent to its capacity mix. The Company’s
generation fleet is dispatched by PJM within PJM’s larger footprint, ensuring that customers in the
Company’s service territory receive the economic benefit of all resources in the PJM power pool
regardless of the source. PJM dispatches resources within the DOM Zone from the lowest cost
units to the highest cost units, while maintaining its mandated reliability standards. Figures 5.1.1.2
and 5.1.1.3 provide the Company’s 2022 actual capacity and energy mix.
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Figure 5.1.1.2 — 2022 Actual Capacity Mix
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Figure 5.1.1.3 — 2022 Actual Energy Mix
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Appendices SA through SE provide basic unit specifications and operating characteristics of the
Company’s supply-side resources, both owned and contracted. Appendix SF provides a summary
of the existing capacity by fuel class. Appendices 5G and 5H provide energy generation by type
and by the system output mix. Appendix 51 provides a list of all Company-build or third-party
PPA solar and wind generating facilities placed in service, under construction, or under
development since July 1, 2018. Appendix 50 provides a list of renewable energy resources, and
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Appendix 5P provides a list of potential supply-side resources. Appendices 5Q and 5R present the
Company’s summer capacity position and seasonal capability, respectively. Appendix 5S provides
the construction cost forecast for Alternative Plan B.

5.1.2 Company-Owned System Generation

The Company’s existing system generating resources are located at muitiple sites distributed
throughout its service territory. This diverse fleet of 91 generation units includes 4 nuclear, 8 coal,
9 combined-cycles (“CCs”), 40 CTs, 3 biomass, | heavy oil, 6 pumped storage, 1 battery storage,
9 hydro, 1 offshore wind, and 9 solar with a total summer capacity of approximately 21,713 MW.
For details on the Company’s existing generating resources, see Appendix 5SA. The Company
currently owns and operates 903 MW of renewable energy resources, including solar, wind,
hydroelectric, storage, and biomass, with an additional 200 MW (nameplate) under construction.
The Company also owns and operates four nuclear facilities (3,349 MW), providing significant
zero-carbon generation for its customers.

Over the past two decades, the Company has made changes to its generation mix that have
significantly improved environmental performance. These changes include the retirement of
certain units, the conversion of certain units 1o cleaner fuels, the conversion (o dry ash handling,
and the addition of air pollution controls. This strategy has resulted in significant reductions of air
pollutants such as NOx, sulfur dioxide (“SO2”), and mercury (“Hg”), as shown in Figure 5.1.2.1,
and has also reduced the amount of coal ash generated and the amount of water used.

Figure 5.1.2.1 — Company Annual Reduction in Emissions by Percent
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The Company develops a comprehensive greenhouse gas inventory annually. The Company’s
direct CO2 emissions (based on ownership percentage) were 21.8 million metric tons in 2021
compared to 24.3 million metric tons in 2020. The Company has been a leader in reducing CO2
emissions through retiring certain units; building additional efficient and lower-emitting natural
gas-fired power generating sources and carbon-free renewable energy sources, such as solar and
wind; and maintaining its existing fleet of non-emitting nuclear generation. As shown in Figure
5.1.2.2, from 2000 through 2021, the Company has reduced the CO2 emissions in tons from its
power generation fleet serving Virginia jurisdictional customers by 39%, while power production
has increased by 15%.

Figure 5.1.2.2 — Company CO; Mass Reductions versus Net Generation
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The Company’s integrated business strategy has also resulted in significant reduction in CO:
emission intensity. CO2 intensity is the amount of emissions per MWh delivered to customers.
This calculation includes emissions from any source used to deliver power to customers, including
Company-owned generation, PPAs, and net purchased power. As shown in Figure 5.1.2.3,
customer impact COz2 intensity has decreased by 46% since 2000.
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Figure 5.1.2.3 — Customer Impact CO: Intensity

1,400 - — - —_— e —

< 100 \

s

g

é 1,000

) \
900 \
800 \
600 - ———

Q & A D P H A DO O DDA LD O DD
S Y S ar @ D D o QY
PIFFFLFTILSITEFLF DT T DL PSS

—.46% Customer impact CO2 Intensity {Ibs/MWh)

5.1.3 Power Purchase Agreements

A portion of the Company’s load and energy requirement is supplemented with contracted PPAs.
The Company has existing contracts with fossil-burning and renewable energy PPAs for capacity
of approximately 1,164 MW (nameplate).

For modeling purposes, the Company assumed that its PPA capacity would be available as a firm
generating capacity resource in accordance with current contractual terms. These PPA units also
provide energy to the Company according to their contractual arrangements. At the expiration of
these PPA contracts, these units will no longer be modeled as a firm generating capacity resource.
The Company assumed that PPAs or any other non-Company owned resource without a contract
with the Company are available to the Company at market prices; therefore, the Company’s
optimization model may select these resources in lieu of other Company-owned, supply, or
demand-side resources should the market economics dictate. Although this is a reasonable
planning assumption, parties may elect to enter future bilateral contracts on mutually agreeable
terms. For potential bilateral contracts not known at this time, the market price is the best proxy
to use for planning purposes.

5.2  Evaluation of Existing Generation
The Company continuously evaluates various options with respect to its existing fleet, cognizant
of environmental regulations and other policy considerations.

5.2.1 Retirements

The VCEA mandates the retirement of carbon-emitting generation on a specific schedule unless
the Company petitions and the SCC finds that a given retirement would threaten the reliability and
security of electric services:
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¢ Chesterfield Units 5 and 6 (coal) and Yorktown Unit 3 (heavy oil) by 2024; and
» All remaining generation units that emit COz2 as a byproduct of combustion by 2045.

Chesterfield Units 5 and 6 and Yorktown Unit 3 are all scheduled to retire in May 2023. No
generation from these units is shown in the plans presented. Retirement notification letters for
these stations can be found in Appendix 2B. The Altavista, Hopewell, and Southampton biomass
units are no longer retiring by 2028 in all Alternative Plans, and RECs generated by those units
can be used for RPS compliance per pending legislation HB2026/SB1231. Separate from these
mandates, and consistent with prior Plans, the Company completed two analyses related to
retirement of existing units.

First, the Company completed a 10-year cash flow analysis focused on coal-fired, biomass-fired,
and large combined-cycle generation facilities under market conditions. The Company evaluated
10-year cash flows under five scenarios using the Base Case commodity price forecast as an
underlying market forecast. Unit NPVs were derived by comparing the unit costs, including
operations and maintenance and capital, to the total forecasted unit benefits, consisting of energy
and capacity revenues (and REC revenues where applicable) for the next 10 years based on the
snapshot in time when the analysis was conducted. This analysis allows the Company to view
each unit’s near-term projected revenue and cost streams in one place, and to determine key drivers
for unit profitability.

A positive NPV result indicates that the unit is currently better than market, while a negative value
indicates the unit is currently worse than market. These results alone are not comprehensive and
cannot exclusively be used to determine whether to continue to operate an existing unit. Other
quantitative and qualitative considerations must be prudently factored into such determinations,
such as remaining useful life, capacity and energy replacements, system reliability, fuel contracts,
transmission system considerations, personnel, impact of continued operation of the unit(s) on the
local economy, and environmental benefits, to name a few. The resuits of the 10-year cash flow
analysis are included in Figure 5.2.1.1.
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_ Flgure 5 2 1. 1 Ten-Year Cash_»Flow AnalysnsﬁResults (NPV $ Mllhon)

B RS

' f[;fzﬁi»%
Clover 1 -2 $52 348 ($23) $110 $0
Mt Storm 1 -3 $148 $126 ($130) $352 56
VCHEC (8199) ($206) ($305) (8119) $16.8
Altavista $21 $20 $12 $27 $0
Hopewell $34 $32 $25 $39 $0
Southampton 836 $35 827 342 $0
Rosemary (%4) (%4) (326) 316 $0
Bear Garden $570 5557 $454 5649 $6
Brunswick $1,217 | $1,186 $954 $1,391 $6.5
Chesterfield 7- 8 3316 $305 $241 $362 83
Gordonsville 1 -2 | $122 $118 $81 $150 $0
Greensville $1,600 $1,562 $1,301 31,792 $6.5
Possum Point 6 $410 $397 $302 $482 $11.7
Warren $1,600 $1,568 $1,339 $1,771 $0

Note: “Est. T&D Tupuct” represents the approximate transmmission and distibution upgrades (hat would be necessury 0 suppint
the unit retirement. This avoided cost is not included in the NPVs shown.

Second, as directed by the SCC, the Company included the same unit-specific data for the units
listed in Figure 5.2.1.1 in PLEXOS to allow the model to optimize endogenously the timing of
unit retirements. The Company presents these results as part of Alternative Plans A through C,
which shows all units running through the Study Period. While a few units had a negative value
in the 10-year NPV analysis, all units are positive when reviewed over the 25-year planning
horizon shown in Figure 5.2.1.2 and PLEXOS did not select to retire any units.

In Alternative Plans D and E, consistent with prior filings, the Company aimed to determine a
glide path to continue to reliably serve customers through the transition to a cleaner energy fleet,
taking into consideration components such as capacity factors, performance characteristics,
including ramping time, fuel diversity and availability, maintenance requirements, and
environmental regulations,
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Clover 1 - 2 $423 $797 $563 $828
Mt Storm 1 -3 $1,817 $3,763 $2,915 $3,876
VCHEC $193 $792 $465 $835
Altavista 5104 $165 $138 3169
Hopewell 3120 $181 8157 $184
Southampton $125 3186 $158 $190
Rosemary 527 335 (839) 545
Bear Garden $1,650 $2,440 $2,098 $2,486
Brunswick $3,670 $5,456 $4,689 $5,559
Chesterfield 7 - 8 $989 $1,603 $1,389 $1,631
Gordonsville 1 - 2 $469 $775 $654 $791
Greensville $4,692 $6,869 $6,007 $6,984
Possum Point 6 31,344 $2,103 $1,788 $2,145
Warren $4,114 $5,827 $5,068 $5,929

It is worth noting that a ten-year cash flow analysis is not the only deciding factor in retiring an
existing resource. Modeling in this 2023 Plan is based on normal weather and models the complete
system, which does not fully capture the value of a unit that may be based on location, fuel
diversity, value in extreme weather scenarios, operational flexibility, and black start capability,
among other factors.

The Company has not made any decision regarding the retirement of any generating unit other
than Yorktown Unit 3 and Chesterfield Units 5 and 6. Accordingly, the inclusion of a unit
retirement in this 2023 Plan should be considered as tentative, based only on a snapshot in time.
The Company’s final decisions regarding any unit retirement will be made at a future date.
Appendix 5] lists the generating units considered for potential retirement in Alternative Plan B.

5.2.2 Uprates and Derates

Efficiency, generation output, and environmental characteristics of units are reviewed as part of
the Company’s normal course of business. Many of the uprates and derates occur during routine
maintenance cycles or are associated with standard refurbishment. However, several unit ratings
have been and will continue to be adjusted in accordance with PJM market rules and environmental
regulations. Appendix 5K provides a list of historical and planned uprates and derates to the
Company’s existing generation fleet.

5.2.3 Environmental Regulations

There are several final, proposed, and anticipated U.S. Environmental Protection Agency (“EPA™)
regulations that will affect certain units in the Company’s current fleet of generation resources.
Appendix 5L shows regulations designed to regulate air, solid waste, water, and wildlife.
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Case No. PUR-2023-00066 d 5
2023 Integrated Resource Plan !,
Corrected Page 85 of 125 (rev. May 30, 2023)

The following section outlines changes to various environmental regulations since the Company
filed its 2020 Plan. The 2020 Plan contains a hlstorlcal perspectwe on some of the environmental
regulations discussed. 2 g ate-g pste-wate
and-witdlife-

Carbon Regulations

Federal Carbon Regulation

The past decade has seen attempts at carbon regulation at the federal level. The Clean Power Plan,
announced in 2015 by President Obama, sought to set limits on carbon emissions from power
plants. In 2018, President Trump announced the Affordable Clean Energy Rule (“ACE Rule”),
which repealed and replaced the Clean Power Plan with a rule that sought to set heat rate efficiency
improvements and improved operating and maintenance practices. Both efforts, which were
adopted by the EPA under Section 111(d) of the Clean Air Act, saw significant legal challenges.

On January 19, 2021, the D.C. Circuit Court vacated the ACE Rule. On June 30, 2022, the U.S.
Supreme Court issued a decision in West Virginia v. EPA that limits the scope of the EPA’s
authority to control greenhouse gas emissions from existing power plants under Section 111(d).
This decision will impact how greenhouse gas emissions can be regulated at existing power plants
by the EPA in future rulemakings, absent action from Congress. The EPA retains the authority to
regulate at the source by proposing mechanisms such as heat rate improvements, but the EPA no
longer holds the authority to regulate GHG emissions limits from power production by requiring
a shift in electricity production to cleaner renewable energy sources from certain fossil fuel-fired
power generation sources. Put another way, the EPA remains empowered to regulate carbon at
the power plant level, but not at the economy-wide or electric utility-wide level.

The EPA is currently working on a new set of guidelines to direct states in regulating GHGs from
existing fossil-fuel fired generating units within their borders. According to current EPA guidance,
the EPA intends to issue a proposed rule in spring 2023, with a final rule expected in spring 2024.

RGGI

Regional Greenhouse Gas Initiative (“RGGI”™) is a collaborative effort to cap and reduce CO2
emissions from the power sectors of participating states. Virginia joined RGGI as of January 1,
2021, through regulations, referred to as the CO2 Budget Trading Rule. As a result, the Company
has been required to purchase COz2 allowances to cover COz emissions from its regulated emissions
sources.

On January 15, 2022, Virginia Governor Youngkin issued Executive Order Number Nine (“EQ9”)
Protecting Ratepayers from the Rising Cost of Living Due to the Regional Greenhouse Gas
Initiative directing state agencies to take certain actions to “re-evaluate Virginia’s participation in
the Regional Greenhouse Gas Initiative and immediately begin regulatory processes to end it.” On
March 11, 2022, as directed by EO9, the Virginia Department of Environmental Quality issued a
report that presented a path for Virginia to end its participation in RGGI; the report also included
an evaluation of the cost and benefits of participation in RGGI in view of all applicable data.




The following section outlines changes to various environmental regulations since the Company
filed its 2020 Plan. The 2020 Plan contains a historical perspective on some of the environmental
regulations discussed. Appendix SL shows regulations designed to regulate air, solid waste, water,
and wildlife.

Carbon Regulations

Federal Carbon Regulation

The past decade has seen attempts at carbon regulation at the federal level. The Clean Power Plan,
announced in 2015 by President Obama, sought to set limits on carbon emissions from power
plants. In 2018, President Trump announced the Affordable Clean Energy Rule (“ACE Rule”),
which repealed and replaced the Clean Power Plan with a rule that sought to set heat rate efficiency
improvements and improved operating and maintenance practices. Both efforts, which were
adopted by the EPA under Section 111(d) of the Clean Air Act, saw significant legal challenges.

On January 19, 2021, the D.C. Circuit Court vacated the ACE Rule. On June 30, 2022, the U.S.
Supreme Court issued a decision in West Virginia v. EPA that limits the scope of the EPA’s
authority to control greenhouse gas emissions [rom existing power plants under Section 111(d).
This decision will impact how greenhouse gas emissions can be regulated at existing power plants
by the EPA in future rulemakings, absent action from Congress. The EPA retains the authority to
regulate at the source by proposing mechanisms such as heat rate improvements, but the EPA no
longer holds the authority to regulate GHG emissions limits from power production by requiring
a shift in electricity production to cleaner renewable energy sources from certain fossil fuel-fired
power generation sources. Put another way, the EPA remains empowered to regulate carbon at
the power plant level, but not at the economy-wide or electric utility-wide level.

The EPA is currently working on a new set of guidelines to direct states in regulating GHGs from
existing fossil-fuel fired generating units within their borders. According to current EPA guidance,
the EPA intends to issue a proposed rule in spring 2023, with a final rule expected in spring 2024.

RGGI

Regional Greenhouse Gas Initiative (“RGGI”) is a collaborative effort to cap and reduce CO2
emissions from the power sectors of participating states. Virginia joined RGGI as of January 1,
2021, through regulations, referred to as the COz Budget Trading Rule. As a result, the Company
has been required to purchase CO:2 allowances to cover COz2 emissions from its regulated emissions
sources.

On January 15, 2022, Virginia Governor Youngkin issued Executive Order Number Nine (“E09”)
Protecting Ratepayers from the Rising Cost of Living Due to the Regional Greenhouse Gas
Initiative directing state agencies to take certain actions to “re-evaluate Virginia’s participation in
the Regional Greenhouse Gas Initiative and immediately begin regulatory processes toend it.” On
March 11, 2022, as directed by EO9, the Virginia Department of Environmental Quality issued a
report that presented a path for Virginia to end its participation in RGGI; the report also included
an evaluation of the cost and benefits of participation in RGGI in view of all applicable data.
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On December 7, 2022, the Virginia Air Board approved the Notice of Intended Regulatory Action
to move forward on the draft regulation to repeal Virginia’s CO2 Budget Trading Rule. In
accordance with Executive Order 19, which is the Govermor’s process for developing and
reviewing state agency regulations, other executive branches within the government have
approved to move forward with the repeal. The proposed repealed regulation went out for public
comment on January 30, 2023, and the public comment period closed on March 31, 2023. A public
hearing was held on March 16, 2023. The exit from RGGI is expected to be completed by
December 31, 2023.

New Source Performance Standards for Greenhouse Gas Emissions

In December 2018, the EPA proposed revised new source performance standards (“NSPS”) for
greenhouse gas emissions from new, modified, and reconstructed stationary sources under Section
111(b) of the Clean Air Act. This action was never finalized. The EPA is currently reevaluating
the NSPS for new and modified sources including what is determined to be the best system of
emission reduction. A draft rule 1s expected in spring 2023. According to the EPA’s unified
agenda, the expected timeframe on a final rule is the second quarter of 2024.

Proposed Revisions {o (he Prevention of Significant Deterioration and New Source Review
Regulations for Greenhouse Gases

In August 2016, the EPA issued a draft rule proposing to reaffirm that a source’s obligation to
obtain a prevention of significant deterioration permit for greenhouse gas emissions is triggered
only if such permitting requirements are first triggered by non-GHG, or conventional, pollutants
that are regulated by the new source review program and exceed a significant emissions rate of
75,000 tons per year of CO2 equivalent emissions. There is no expected timeframe for the final
rule.

New Proposed Federal Vehicle Emission Standards

On April 12, 2023, the EPA proposed new vehicle standards for light, medium and heavy-duty
vehicles for model year 2027 and beyond. The EPA’s proposal increases the stringency of the
standard year-over-year on a phase-in approach. Through 2055, the EPA projects that the
proposed standards would avoid nearly 10 billion tons of CO2 emissions. The light and medium
duty vehicle proposed standards are expected to avoid 7.3 billion tons of CO:z emissions through
2055 and would also deliver significant health benefits by reducing fine particulate matter. The
heavy-duty truck proposal is projected to avoid 1.8 billion tons of COz through 2055.

Ozone National Ambient Air Quality Standards

The ozone national ambient air quality standard (“NAAQS”) governs ground-level ozone forming
pollutants, including NOx emissions. The Clean Air Act requires the EPA to review the NAAQS
every five years and revise the NAAQS if necessary.

On March 15, 2023, the EPA released a pre-publication of the final federal implementation plan
(“FIP”) addressing interstate transport for the 2015 Ozone NAAQS. The FIP is intended to resolve
the good neighbor obligations with respect to the 2015 NAAQs. Virginia and West Virginia are
covered in the FIP. The FIP consists of a combination of methods including a revised Cross-State
Air Pollution Rule (“CSAPR”) ozone season NOx emissions trading program with additional
restrictions not included in any of the current CSAPR trading programs. Coal-fired electric
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generating units (excluding circulating fluidized bed boilers) would be subject to daily emission
rate limits during ozone season and would have to surrender additional allowances (at a 3:1 ratio),
if limits are exceeded after the first 50 tons during the control period.

On December 31, 2020, the EPA published a final decision retaining the 2015 NAAQs of 70 parts
per billion (“ppb™) as the 2020 NAAQS. As directed by Executive Order 13990, “Protecting
Public Health and the Environment and Restoring Science to Tackle the Climate Crisis,” signed
by President Biden on January 20, 2021, the EPA undertook a review of the December 2020
decision that retained the 2015 NAAQs. As part of this reconsideration, the EPA is developing a
policy assessment to consider all policy-relevant information developed throughout the 2020
review, and to engage with the Clean Air Scientific Advisory Committee Ozone Review Panel.
The panel is currently reconsidering the decision to retain the 2015 NAAQs for ozone at 70 ppb
for both the primary and secondary limits. According to the EPA’s unified agenda, the EPA aims
to issue a draft ruling in the second quarter of 2023 and a final rule by the end of 2023.

Particulate Emission Standards

On January 6, 2023, the EPA released a pre-publication version of a proposed rule resulting from
its reconsideration of the primary (health-based) NAAQS for particulate matler (“PM NAAQS™).
The EPA is proposing to lower the primary annual PM2sNAAQS from 12.0 micrograms per cubic
meter (“ug/m>”) to a level that would fall between 9.0 and 10.0 ug/m?, while soliciting comment
on an alternative annual PMas standard within the range of 8.0 to 11.0 ug/m®. The EPA is
proposing to retain the other